Shale Gas Play Evaluation Using Basin Modeling
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Evaluating shale gas plays requires determination of original gas in-place (OGIP) and free versus
sorbed gas. Initial screening for thermogenic shale gas plays often utilizes variables of thermal
maturity, shale organic carbon content, shale thickness or mineralogy, but time dependent variables
derived from basin modeling can aid in the screening. This paper demonstrates how basin modeling
can be used to regionally address OGIP for a shale gas play and provide insight to production sweet
spots.

The first area of application is controls and prediction of paleo-adsorption capacity versus present-day
adsorption capacity at reservoir pressure and temperature conditions. Sorbed gas on organic matter is a
function of pressure and temperature and organic matter maturity. Most shale gas plays to date are
uplifted; hence, these shales have been buried deeper and hotter in the past under conditions where the
sorbed gas capacity is significantly reduced compared to their present-day capacity. Model application
will be shown on how to estimate potential under-saturation with respect to sorbed gas capacity and
forward model the expected range of sorbed versus compression gas in the pore space.

A second application in basin modeling combines use of kerogen kinetics and source rock
geochemistry to better understand the influence of solution gas on shale gas plays. Higher productivity
areas of shale gas plays to date are often in high maturity (>1.4 %Ro) areas where solution gas
contribution to OGIP is minor. Original gas-in-place is a function of free gas (related to porosity),
solution (aqueous and oil) gas and sorbed gas. At lower thermal maturity levels (< 1.4 %Ro),
depending on source rock organic facies, solution gas can become a significant component of total gas
content. At lower thermal maturity levels, the ability to form a free gas phase is increasing sensitive to
the source rock organic facies and kinetics.

Figure 1 shows the comparison between gas storage capacities of difference porosity source rocks as a
function of depth (under hydrostatic pressure), in addition to the sorption capacity of a 5% TOC source
rock (estimated using the gas sorption model proposed by Hildenbrand , et al, 2006) . At depths below
2000 meters, the storage capacity of porosity exceeds the typical sorption capacity. At typical depths of
significant thermal gas generation, gas storage capacity of porosity becomes several times of that of
sorption.

Upon uplift and erosion, the compressed gas in porosity can help retain pressure, resulting over

pressure at the shallower depth, whether the shale was over pressured before uplifting. The relatively
higher pressure could mean a higher gas saturation and may also enhance gas production rates.
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Fig. 1: Storage capacities of difference porosity shales as a function of depth (under hydrostatic
pressure), compared to sorption capacity of a 5% TOC source rock.

In typical "oil window" depths, the sorption capacity of gas may be lowered due to the presence of
liquid hydrocarbons, but the available gas still may be mostly in solution in the remaining liquid
hydrocarbons with only limited amount of free gas in pores. Until oil to gas cracking significantly
increases gas available and reduces liquid hydrocarbons, gas production rates may be limited due to
lower relative permeability in a three phase system. This may help explain the coincidence in figure 2.
The color map shows the model predicted free gas in place in scf/ton of rock in the Fort Worth basin of
North Texas. The boundary between gas producing wells and oil producing wells are well defined and
coincides with the model predicted onset of significant free gas.

In addition to modeling the balance of sorption gas, solution gas and free gas in place with a pvt
function, the model can also consider the additional gas storage created from porosity enhancement due
to kerogen transformation to hydrocarbons. The integrated modeling approach can help regionally
address OGIP for a shale gas play and provide insight to production sweet spots for acreage screening.
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Fig 2: Model predicted free gas (compressed in porosity) in the Barnett shale. The green circles are oil
producing wells and orange circles are gas producing wells (data adapted from Pollastro, et al, 2007).
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